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Preface 



This book attempts to explain what went wrong in California’s 
restructured energy markets and what must be done to restore California’s 
economy and build new electricity systems. The intention here is to 
reconcile the principles of competition and regulation. California had a 
severe electricity crisis for about thirteen months beginning in May of 2000. 
The economic consequences and political fallout that arose from this crisis 
persist. California’s economy continues to suffer and the state’s treasury is 
deeply in debt. The state’s three investor-owned utilities were nearly 
financially decimated. San Diego Gas & Electric has recovered to a greater 
degree than the other two only because its retail prices are about three times 
the national average and, for a time, well above the other two IOUs in 
California. Southern California Edison has recently been restored to 
investment grade and was granted a rate increase. Pacific Gas & Electric is 
emerging from bankruptcy. 

This book discusses all of this in greater detail. The problems and 
consequences arising from California’s ill-fated foray into electricity market 
restructuring could damage the state for years to come. Challenges of this 
nature are not new to the Golden State. In the past, as we explain here, 
pragmatic, not entrenched, approaches have worked best in California. If 
California is to relatively quickly restore its previous enviable economic 
vitality and recover from the damage done to tarnish its luster, pragmatic 
approaches must again be used. 

We acknowledge the help of Marilea Fried at Kluwer and the useful 
comments of the referees. We especially thank Dan Mazmanian for urging 
us to write this book. This effort has benefited from past collaboration with 
Paul Joskow, Kerry Smith, William Gillen, Paul Smolensky, John Jurewitz, 
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Irwin Stelzer, Bill Hogan, and Ralph Turvey. This work has also benefited 
from others who have worked on the problems in California, especially Chip 
Wright, Jon Hockenyos, Lawrence Acker, Cheryl Feik-Ryan, Cheryl Foley, 
Gordon Erspamer, Gary Bachman, Dan Flanagan, Jeff Kinsell, Len Viejo, 
and Howard Golub. Additionally, Art Lewbel provided helpful comments 
on the econometric sections along with anonymous reviewers. James Lin 
and Nicole Brackett provided excellent research and editorial assistance. 

The analysis and discussion presented here draws on many person years 
of research, analyses, and direct participation in much of the regulatory and 
legal matters discussed. These efforts include: working on and drafting the 
California State Audit Report that identified the various market and design 
problems that caused California’s energy crisis; analysis and expert 
testimony related to the California Refund and related legal proceedings; 
analysis of alleged gaming practices and testimony before the U.S. 
Congress; serving on Governor Davis’s Market Advisory Board; 
participating in the CPUC proceeding with respect to implementing AB 117; 
and preparing a White Paper and conducting two public policy forums on 
how California can fix some of these nagging market/regulatory problems. 

This book goes beyond our previous research and analysis and attempts 
to integrate what we have learned and to draw on the research of others. 
Any defects or omissions are our responsibility. 




Chapter 1 

INTRODUCTION 



California is the world's fifth largest economy. Its average and median per- 
capita incomes are well above those in the rest of the states in the United 
States and all but four other countries in the rest of the world. The state is a 
magnet for entrepreneurs and innovation. Available energy is taken as a 
given. 

The state is rich in human capital. It benefits from a creative mix of 
cultures and religions from virtually every part of the planet. This diversity, 
plus ambition and a culture that rewards new ideas and products, makes 
California special. Life in the state is generally excellent in many important 
respects. The climate is particularly good-generally warm with relatively 
little humidity. The state’s ports move much of the world's commerce. 
California sets worldwide trends in fashion, entertainment, technology, 
services, and many other consumer goods. 

Against this backdrop of good fortune and great economic success, the 
state experienced a dramatic energy crisis in 2000 and 2001, a crisis that by 
any standards was huge. This crisis was mostly unprecedented in 
California’s history, and was even more surprising when compared to 
California’s historic “golden touch” and youthful “can do” attitude. The 
state’s recent energy crisis, particularly in the electric sector, and the 
economic problems that followed have hit California hard. This 
circumstance was so unique that it helped propel an unprecedented recall of 
recently elected Governor Gray Davis, who was then sacked by the state’s 
voters. 

The state’s treasury is deeply in the red. The three large investor-owned 
utilities (IOUs) were pushed close to financial ruin. The state’s collective 
confidence has been shaken deeply. Nevertheless, people still flock to 
California, mostly from less fortunate places. These new immigrants want 
to work and they need housing, energy, transportation, education, and health 
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services. These new challenges, coupled with the state’s recent energy and 
financial crisis, put many of the state’s diverse aspirations in jeopardy. 

This book explains “what” California was trying to do in the 1990s in 
order to reduce its energy costs. The details are critical because there are 
important lessons to be learned and steps to be avoided in other markets and 
other places. While most know that the California economic powerhouse 
was crippled by an electricity crisis in 2000, fewer realize that California’s 
complex energy industry and institutional restructuring was, by all accounts, 
deemed widely successful in 1998 and 1999. To avoid making similar 
mistakes in the future, it is important to understand what was done, why it 
was done, and review the program’s initial success. Consequently, this book 
addresses “why” things went so bad, so fast. 1 

We start this discussion in Chapter 2 by undertaking a rudimentary 
review of the economics that drive power production. 

The starting point for all electricity restructuring is traditional 
comprehensive cost-of-service regulation. Thus, Chapter 3 discusses the 
underlying principles of traditional regulation. 

Chapter 4 explains how regulators have attempted to reconcile the 
economic principles associated with competitive markets and cost-of-service 
regulation principles. 

In Chapter 5, we discuss tariff reforms that are based on this 
reconciliation. Here, we explain how these reforms led to experiments in 
complex restructuring where competitive wholesale generation replaced 
comprehensive cost-of-service regulation. 

Chapter 6 uses California as an example to explain the basic features of 
this restructuring approach. 

Next, in Chapter 7, we turn to California’s specific market design, and 
explain how California’s restructuring went from a “good” start to a “bad” 
patch and ultimately culminated in an “ugly” conspiracy of mistakes, 
missteps, and bad luck. This “ugly” trifecta has been dubbed “The Perfect 



1 Our approach is complimentary to other studies that have appeared in the literature, 
including Faruqui, et al. (2001), Joskow (2001), Borenstein (2002), Cicchetti, et al. (2001); 
Ahmad Faruqui, Hung-po Chao, Vic Niemeyer, Jeremy Platt, and Karl Stahlkopf, 
“Analyzing California’s Power Crisis,” The Energy Journal, Vol. 22, No. 4, 2001, pp. 29- 
52; Paul Joskow, “California’s Electricity Crisis,” Oxford Review of Economic Policy, 
Vol. 17, No. 3, 2001, pp. 365-388; Severin Borenstein, “The Trouble with Electricity 
Markets: Understanding California’s Restructuring Disaster,” Journal of Economic 
Perspectives, Vol. 16. No. 1, 2002, pp. 191-211; Charles J. Cicchetti, Jeffrey A. Dubin, 
Jon Hockenyos, Colin M. Long, and J.A. Wright, “Energy Deregulation: The Benefits of 
Competition Were Undermined by Structural Flaws in the Market. Unsuccessful 
Oversight, and Uncontrollable Competitive Forces,” California State Auditor, Bureau of 
State Audits, Sacramento, California, March 2001. 
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Storm” because virtually all the things that could have gone wrong did go 
wrong, seemingly at the same time from May 2000 through June 2001. 

Some of the worst problems were related to "design flaws and regulatory 
missteps.” These problems were exacerbated by climate and market forces. 
Chapter 8 takes a statistical approach to analyze what happened in 
California. In this chapter, several statistical hypotheses are stated. We then 
explain how we performed the econometric analyses. 

Chapter 9 reviews the modeling and approaches several others used to 
explain electricity prices in California. These efforts informed and 
influenced much of what we did. 

Chapter 10 analyzes natural gas, which is the primary marginal fuel used 
to generate electricity in California, and natural gas prices. In late 2000, 
natural gas prices snapped a decade and a half price slump, jumping 
spectacularly (five-fold) in North America, and particularly so (nearly thirty- 
fold) in California. We identify potential causes of these price spikes and 
then use an econometric analysis to test various hypotheses related to natural 
gas prices. 

Chapter 11 uses a similar econometric approach to analyze structural, 
regulatory, climatic, natural gas, and other economic factors that contributed 
to or caused electricity prices to surge from an average of about $30 per 
MWH in 1999 to $150 per MWH from mid-year 2000 to mid-year 2001. 
Potential causes for this price surge are identified and hypotheses tested in 
this chapter. 

To complete an analysis of “what and why,” we must go beyond 
reviewing the events leading up to and during the crisis. Thus, Chapter 12 
discusses the role that market participants played in attempting to manipulate 
the market. 

Much has been said about gaming or attempting to game the market. 
These issues are reviewed in some detail in Chapter 13. 

Chapter 14 analyzes what the two primary regulatory bodies did during 
the crisis to bring the market under control. The California Public Utility 
Commission (CPUC) and the Federal Energy Regulatory Commission 
(FERC) were the key governmental entities charged with overseeing and 
controlling these markets. These regulatory agencies often were in conflict 
and, by all accounts, were slow to respond. This is an important sidebar 
within the main story of the electricity crisis, particularly because there are, 
ironically, new calls to expand regulation in response to what arguably was, 
at least partially, a major political/regulatory failure. 

Chapter 15 is a very important addendum to the regulatory actions taken 
during the crisis where we examine federal and state agencies’ efforts to 
revisit the “winners and losers” and recreate the prices that would have 
attained in a competitive market. In attempting to award refunds and grant 
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some relief in an effort to neutralize the worst of the market’s fury, new 
“winners and losers” will be created. We examine these regulatory efforts in 
this chapter. 

Chapter 16 explains how the crisis spawned by the failures in 2000 
continues to plague the state and threaten its ability to recover and to build 
the infrastructure needed for the state to grow. Here, we discuss how 
California is responding to these new challenges and boldly propose some 
new pragmatic hybrid solutions to achieve growth and regain prosperity 

Chapter 17 discusses how events in California are conspiring to handicap 
the winners. 

Chapter 18 details the lessons learned so as to guide others in their 
various pursuits to liberalize their energy industries. 




Chapter 2 

POWER PRODUCTION ECONOMICS 



Historically, governments have determined that electricity should not be 
provided by competitive firms. Similar decisions have been made for 
natural gas, water, sewer, telephone, and cable service. These industries 
share several common characteristics. These are: 

• A perception that the service is more or less essential and that the service 
coverage should be universal; 

• Duplicative or parallel delivery systems might be too costly; 

• Economies of scale are associated with a distribution system so that 
installation costs increase linearly with the radius of the wires or pipes 
while the volume that can be transported increases by the radius squared; 

• Other high fixed costs, which may share the duplication and economy of 
scale characteristics, might also be central to service provision ( e.g 
power stations, natural gas storage, telephone switching centers, sewer 
treatment plants, etc.). 

Governments generally either decided to own the firms that have these 
characteristics or to permit private ownership in particular geographic areas, 
or franchises, subject to government regulation of price, profit, investment, 
and service quality. Government ownership of utilities was the primary 
choice outside the United States, while government regulation of privately 
owned utilities was more typical in the United States. 

Increasingly, the basic assumptions that led governments to rely on 
exclusive monopoly utility franchises began to change in the 1980s. 
Governmentally owned monopolies have been privatized. Competition has 
replaced the traditional cost-of-service approach for utility services. 
Customers are being given a choice of suppliers. Parts of the supply systems 
are being unbundled and made competitive. New competitive entrants are 
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being encouraged at both retail and wholesale levels. Access to wires and 
pipes, which retain favorable single-supplier cost characteristics, is being 
opened to competing suppliers (electric generators, long distance telephone 
providers, natural gas producers) on an open access, comparable service 
terms, and non-discriminatory price basis. 

Much of the world recognizes that restructuring these basic, essential, 
and universal industries means that transition costs and other competitive 
issues must be resolved. The initial step is to assess the status quo, where 
public utilities or enterprises were granted a monopoly franchise. 

Pricing public enterprise or utility services is unusual because the 
monopoly franchise is not a price-taker. Instead, governments establish 
prices. The principal difference between utilities and firms that operate in 
competitive markets is how prices are established. 

Public utility prices have typically been set equal to their costs of service 
(COS), including some political notion of a fair return on the capital invested 
by private firms or a political assessment of a financial transfer or payment 
to the treasury. Public utilities minimize the costs associated with satisfying 
demand. This chapter explains the rudimentary aspects of the economics of 
power systems. 



ECONOMIC PRINCIPLES AND POWER SYSTEMS 

Historically, governments controlled or owned power systems. Electricity 
suppliers were organized as virtually integrated systems that provided 
service to electric customers in a franchise territory without any retail 
competition. Typically, a single supplier owned all the power stations, 
transformers, power lines, dispatch or coordination centers, and distribution 
and metering equipment in a specific geographic or franchise area. 

Nevertheless, the same economic principles that guide a competitive 
firm’s quest for both operational and long-run investment efficiency apply 
equally to monopoly-owned, integrated power systems. The primary 
difference is that markets rely on demand and supply to set prices, while 
governments set utility prices based on the COS. Typically, governments 
ensure that the utility enterprise covers, but does not exceed, the fixed costs 
necessary to meet customer demand plus operating expenses. The term 
“covers” means both a return “of’ investment and a fair return “on” that 
investment. 

Least-cost principles shape and determine both short-run operational 
efficiencies and long-run investment planning. The two aspects of 
electricity supply are energy and power. Energy is a flow concept that is 
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measured in kilowatt-hours (kWH) or megawatt hours (MWH). Power is a 
capacity concept that is measured in kWs or MWs at an instant in t ime. 

Power systems are built and operated to satisfy the demand for 
electricity, which varies by time of day, day of the week, and season of the 
year. Figure 2-1 depicts a representative power system’s demand or load, 
ranging from the highest hourly demand at A to the lowest hourly demand at 
C, over the course of a year. 




Figure 2-1. Representative Hourly Load (Descending) 



Specifically, Figure 2-1 shows the hours in a year where demand is at or 
above the MWs shown on the vertical axis. At point A, demand (load) is at 
its peak. This may happen over a very few hours in the year. At point B, 
demand (load) is about the average demand level for the year. B' is the 
median demand for the year. In other words, B' is the demand level that 
corresponds to the midpoint in the year, or 8760 1 2 = 4380 hours. B' 
represents the point at which half the year’s electricity demand is greater 
than B' and half the year’s electricity demand is less. Finally, point C 
represents the year’s lowest demand point. 1 

1 To demonstrate this rigorously, let F(y) denote the graph of the load duration curve where y 
denotes a level of megawatts on the y-axis and F(y) is the corresponding level of hours on 
the x-axis of the figure. Then the probability that demand is at level y or above is, 
Probfdemand > y] = F(y)/8760 
The cumulative distribution function for demand is, 

G[y] = 1-Prob [demand > y] = (8760 - F(y))/8760 
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Loads or demand differences are given names based on their proximity to 
A, B, and C. For example, Peak Demand (Load) are the hours of the year 
expected to be in the vicinity of A (maximum or peak and demand). 
Intermediate Demand (Load) are the hours in the year in which demand is 
expected to be below peak and in the vicinity of B or B' (average or median 
load). Base-load or Off-Peak are the hours in the year expected to be in the 
vicinity of the minimum demand, or C. Figure 2-2 shows how a power 
system’s load duration curve may be segregated using these load level terms. 




Figure 2-2. Levels of Hourly Load 



and the probability density of demand is, 
g(y)= G'(y)=-F'(y)/8760 
Median demand occurs at the point, 

Lf y iitc.iun ) ■— s. 

This occurs where, 

F(ymedum) = 8760/2 =4380. 

Average demand is given by the area under the load duration curve divided by 8760. To show 
this we use integration by parts. Average demand is, 

j 0 A yg(y)dy =J 0 A -yF'(y)dy/8760 

Then using integration by parts, 

J 0 A yF(y)dy/8760 = {-AF(A)-0F(0)] + 

f A 

J 0 F(y)dy/8760 = (area under load duration curve)/8760 
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Power systems satisfy two objectives. First, the costs are minimized. 
Second, power companies supply electricity to satisfy the varying demands 
throughout the year as represented by the load duration curve. At any given 
time, a vertically integrated power company might own various power 
stations, which might be fueled by different primary energy sources, 
including: 

• hydro 

• nuclear 

• coal 

• oil and natural gas (steam) 

• oil and natural gas (turbine) 



SHORT-RUN MARGINAL COSTS (SRMC) 

Not all electric utility companies own each type of plant. Fuel availability, 
fuel prices, environmental constraints, construction and capital costs, etc., 
determine the plant type (i. e., the mix) owned by specific power companies 
at any given time. Larger vertically integrated power companies typically 
own several plants in each category. Within a category, each plant’s 
marginal cost or marginal productivity might vary considerably based on 
age, technology, plant design, operating performance, fuel conversion 
(boiler) efficiency, heat rate, etc. 

Power systems are operated to minimize the avoidable (i.e., variable) cost 
of meeting instantaneous load. The necessary condition for meeting this 
objective is generally expressed using a term known as the “merit order” of 
generation stations. System operators or dispatchers minimize costs by 
selecting plants in order of their running or production costs from the least to 
more expensive. 2 

As demand is communicated to a power system dispatcher or operator, 
this simple least-cost operating rule requires that the dispatcher fire up and 
utilize the plants with the lowest marginal costs. As demand increases, more 
costly plants must be utilized. These costlier plants generally have: (1) 
lower heat rates or lower fuel efficiencies; (2) higher fuel costs; (3) higher 

2 

In practice, marginal generation cost and actual dispatch costs may differ. Actual dispatch cost is based 
upon a term known as “system lambda” that reflects losses that can occur when energy is transformed 
by voltage and transmitted over wires. While important in practice, these differences are beyond the 
scope of this discussion. 
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labor costs or other equipment costs; and (4) other locational costs such as 
line losses or network congestion constraints. As demand increases, more 
costly plants are called into service (i.e., they are dispatched by the system 
operator to meet increasing load). 

Plants with low system “lambdas” are typically called base-load plants 
and are expected to be called upon nearly 8760 hours of the year. In 
practice, maintenance schedules and planned, as well as unplanned, outages 
affect actual use. The annual percentage of time a plant is in use is known as 
its capacity (or availability) factor (CF). Plants used next in the merit order 
are only used about half the year. These are known as intermediate plants. 
These intermediate plants could include older or less efficient plants 
previously acquired for base-load use that can no longer compete with other 
base-load plants. Finally, some plants are designed to be used, or their 
marginal cost makes them economic, for only a relatively small fraction of 
the year. These are called peaking plants. 

If marginal operational costs and plant location were the only factors, 
most power systems would own only low marginal cost base-load plants. 
This is generally not the case because base-load units generally are more 
costly to construct than intermediate or peaking plants. This leads to the 
second aspect of power systems, namely system planning and a related 
concept, marginal capacity costs. 



ELECTRIC POWER SYSTEM PLANNING 

Power systems evolve to meet growing and changing demand patterns. 
Power system planners make investments to minimize the present value of 
future costs (both construction [acquisition] and operational) necessary to 
meet the forecasted load on their system. Planners generally take as given 
the plants currently owned and the transmission system already in place. 
These constraints are relevant, but not absolute. For example, some plants 
acquired for base-load purposes might be moved down the dispatcher’s merit 
order and be used for an intermediate or even peaking purpose as new 
technologies replace older technologies. 

Investing in new power stations requires considering both a “need” 
determination and the likely effect a new addition would have on expected 
fuel and generating costs. As a general proposition, as construction or 
investment costs increase, operating costs decrease. Nuclear generating 
stations are relatively inexpensive to operate but expensive to build. Peaking 
plants are mostly turbines, practically the equivalent of jet engines, and are 
relatively cheap to acquire per kW of installed capacity. However, a 
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peaker's operating costs are very expensive because they convert expensive 
fossil fuels to electricity in a relatively inefficient manner. 

Figure 2-3 depicts how system planners visualize the cost difference of 
the three primary plant types that might be selected to meet a growth in 
demand. 




Figure 2-3. Representative Costs of Various Plant Types 

The darkened line segments of each cost function form the least-cost 
envelope for selecting the least-cost plant from each category based upon the 
number of hours the new plant would be expected to operate. If complex 
power systems were redesigned and built anew for changing levels or 
demand, the planning envelope would determine the least-cost mix of plants. 
In practice, incremental decisions are made that treat the previous 
investments as givens, plus a reasonable forecast of future needs and costs. 

Some pragmatic rules emerge. For example, if a new generating station 
has planned usage between O and B, a peaking plant would be the least-cost 
addition. If planned usage was above C, a base-load unit would be the least- 
cost addition. Planning to use a peaking plant beyond B hours would not be 
cost effective since it would have a higher present value of costs (both 
construction and operational) than an intermediate plant. And, acquiring an 
intermediate plant would cease being economic if the station's use were 
likely to exceed C hours because, at that utilization level, a new base -load 
plant would be the most economic choice. 
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Additional complications are also important. New plants, once acquired, 
would likely displace pre-existing plants as the new plants move pre-existing 
plants down the dispatcher’s merit order. In practice, this means that system 
planners would consider both the likely fuel savings when new plants could 
displace less efficient plants currently owned and the costs per kW of the 
capacity added. 

To reflect this potential fuel or operational cost saving, a new plant’s 
construction cost would be replaced by the following: 

Capacity Cost = Construction Cost - PV(F) 

where PV(F) = Present Value of Expected Fuel Savings. 

The least-cost criteria would apply to new investments. Construction 
costs, carrying costs, and fuel costs would be analyzed jointly to choose the 
economically efficient generating station. Peaking plants would not have 
any fuel savings. Over their economic life, base-load plants would typically 
have very significant fuel savings relative to their construction costs. This 
effectively moves the intercept of the baseload plants, and perhaps 
intermediate load plants, down the vertical axis of Figure 2-3. When fuel 
savings are present, peaking plants, although inexpensive to build, have a 
higher present value of combined costs. 

There is a related factor known as marginal capacity cost. Generally 
speaking, the change in total cost to meet an unexpected increase in demand 
is equal to marginal energy costs. This holds true because no investment in 
new capacity is necessary to supply a change in demand when there is 
sufficient capacity. If capacity must be added to meet increased demand, the 
change in total cost has two components: marginal energy costs and 

marginal capacity costs. Time periods where the probability of shortages is 
high are often called peak periods, while periods with virtually no chance of 
shortages are referred to as off-peak periods. 

Vertically integrated electric utilities generally would respond to an 
increase in demand and insufficient capacity by accelerating the construction 
or acquisition of a previously planned power station. Ignoring any fuel 
savings, the annual cost of this acceleration in construction would be the 
accelerated plant’s amortization cost (i.e., the capital recovery factor 
(CRF)). 3 

3 

CRF = 

1 ( 1+ 0 N 

where: i = the Interest Rate or Cost of Capital and 

N = Number of Years of expected plant life. 
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If there are fuel savings, marginal capacity costs can be expressed as: 
MCC = CRF[(CC)-PV(F)] 
where: 

MCC = Marginal Capacity Cost 

CC = Total Construction Costs (Contract Cost) 

PV(F) = Present Value of any Fuel Savings due to 

changes in the merit order of existing plants 

Typically, a base-load or intermediate load generating station would have 
lower marginal capacity costs than would a peaking plant, when the fuel 
savings over the plant’s life are considered. Regardless, additions to power 
systems in response to an increase in demand affect marginal costs. Pricing 
is more complex and will be addressed below. In the next chapter we 
explain how regulatory principles are applied to power systems and discuss 
the history of cost of service regulation. 




Chapter 3 

PRINCIPLES OF TRADITIONAL REGULATION 



Electricity supply occurs in three stages. The first stage is producing 
electricity at the power source. The second stage is transmitting the 
electricity from the power source to the area where it will be consumed. The 
third stage is distributing the electricity to the end-use customers. Until very 
recently, electricity sectors traditionally were vertically integrated, which 
meant that the three distinct facets of electricity supply were controlled by a 
single entity. Thus a vertically integrated company typically would own 
generation, transmission, and distribution assets and resources. Such a 
company is a monopolist from production to distribution. Such vertically 
integrated companies tended to focus on the engineering and technological 
sides of electricity production, transmission, and distribution. Consequently, 
economies-of-scale 1 and rapid technological innovation have, until relatively 
recently, driven the electricity market. In the previous chapter, we discussed 
the differences between base-load, intermediate, and peaking plants. 
Economies-of-scale exist for a vertically integrated electric utility because a 
large generating system can provide power to many users, and additional 
users can be accommodated at a comparatively small increase in power 
costs. 

In the past, vertically integrated electric companies have been awarded 
franchise monopoly status in the United States. In exchange for receiving a 
franchise that allows it to provide electricity on a monopoly basis, a private 
company agrees to be subject to government regulation. This means that a 
government regulatory agency will monitor and control prices, profits, and 
performance. This typically took the form of COS regulation . 2 However, 



Economies-of-scale exist when an increase in inputs in the production process results in a 
greater proportionate increase in output. 

Alternatively, the government could own the vertically integrated utility. 
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this model has been changing and moving toward a more competitive and 
efficient structure. 

Before 1998, California had a mix of privately owned, state-regulated 
utilities and municipally owned, mostly self-regulated electric utilities. In 
the 1990s, economists began to question the logic of the industry’s vertical 
structure and proposed competition to replace the monopoly status of 
vertically integrated utilities subject to regulation. In California, many 
critics argued that regulation had failed, as evidenced by rising prices and 
costly new capital investments. We will discuss these arguments below. 
But first, we describe COS regulation. 



COST-OF-SERVICE (COS) REGULATION 

U.S. electric utilities are jointly regulated by fifty state regulatory agencies 
and the Federal Energy Regulatory Commission (FERC). In the past, this 
joint responsibility has worked reasonably well. The states assumed 
responsibility for regulating intrastate/retail prices and investments. The 
FERC assumed responsibility for regulating wholesale and interstate 
markets. 3 

Professor Alfred E. Kahn wrote one of the two classic texts on the United 
States regulatory system. 4 He stated: 

“There are four components of this regulation that in combination 
distinguish the public utility from other sectors of the economy: control 
of entry, price-fixing, prescription of quality and conditions of service, 
and the imposition of an obligation to serve all applicants under 
reasonable conditions.” 5 

These four fundamental regulatory components are based on two basic 
premises. The first premise is that electricity is an essential good, required 
for consumers’ well-being. In other words, unlike many other consumer 
goods that are luxuries, not necessities, electricity is considered to be vital if 
residences and industries are to function in a manner deemed acceptable for 



During the California crisis, jurisdictional conflicts between the FERC and the CPUC were 
prevalent. As the crisis worsened, the CPUC and FERC increasingly blamed each other. 

4 Alfred E. Kahn, The Economics of Regulation: Principles and Institutions, Vol. 1 (New 

York: John Wiley & Sons, Inc., 1970). Volume 2, Institutional Issues, appeared in 1971. 
The second standard text was written by James C. Bonbright, Principles of Public Utility 
Rates, 2 nd Ed., (Arlington, Virginia: Public Utility Reports, Inc., 1988). 

5 Ibid, p. 2. 
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an advanced society. There is, of course, a fine line between a necessity and 
a luxury, and the line is not often clear . 6 

The second basic consideration underlying electric utility regulation is 
the utility’s monopoly status. As Bonbright noted, electric utilities are 
generally considered to be “natural monopolies.” 

“The familiar statement that a public utility is a “natural monopoly” is 
meant to indicate that this type of business, by virtue of its inherent 
technical characteristics rather than by virtue of any legal restrictions or 
financial power, cannot be operated with efficiency and economy unless 
it enjoys a monopoly of its market. So great are the diseconomies of 
direct competition that even if it gets an effective start, the competition 
will probably not long persist, if only because it will lead to bankruptcy 
of the rivals. Even if the competition is long-lived, as has occasionally 
happened when the rivalry has taken a restrained form, it is wasteful of 
resources because it involves unnecessary duplication of tracks, of 
cables, of substations, and other resources .” 7 

Regulation was intended to replace competition with administrative 
restraints on profits. However, this can also be viewed as redistributing 
income among competing claimants . 8 There is a classic tension between the 
utilities’ claims (and those of its investors) for an aggregate income stream 
and the ratepayers’ constant clamor for lower rates. To this cacophony, one 
can add the various customer classes who argue that their rates should be 
lowered and should not subsidize the rates of other classes. Each class 
claims to have convincing arguments. Industrial customers argue that a 
greater share of the rate burden should be passed on to smaller users because 
the industrial customers’ survival depends on lower rates and that their large 
and/or interruptible demand imposes lower costs on power suppliers. 
Residential users seek rate relief for the aged and poor who cannot pay 
higher rates. Consequently, a landmark regulatory study concluded: 

“In economists’ language the concern for equity has generally triumphed 
over the quest for efficiency. In political terms, it means that regulation 



6 For example, one can make a strong argument that the first hundred kWHs are necessary for 
basic lighting and refrigeration needs. The argument for kWHs needed for decorative 
lighting is less persuasive. Nevertheless, these distinctions are rarely an issue when a 
utility's obligation to serve is determined. 

Bonbright. p. 1 1 . 

8 Kahn has described regulation as “the specific charges on different categories of services 
and the relationship between them." Kahn, pp. 25-26. 
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is best understood as a political settlement, undertaken in an effort to 
keep peace within the polity.” 9 

In essence, regulatory agencies fear that a monopoly utility, left to its 
own devices, would charge extortionate or unduly discriminatory rates, or 
might otherwise exploit customers who do not have an alternative supply 
source. Consequently, regulators control entry, prices, service quality, and 
availability. 

Two conceptual matters are important. The first is that profits or the 
overall earnings of private companies must be regulated. The second is that 
the rates charged to individual customers, or to similarly situated customers 
(grouped into what are known as “customer classes”), must also be 
regulated. This is called regulating the overall rate level and determining the 
rate structure, respectively. 10 

Until recently (and in some places still), U.S. regulatory commissions 
generally focused on total company revenues. 11 Regulators generally first 
determine operating costs incurred by the utility in a “test” year. To these 
operating costs, regulators add an allowance for profit. This is usually a 
specified return on the monies deemed to have been prudently invested in 
the business. Kahn points out that this involves a three-step process: ( 1 ) 
reviewing operating expenses; (2) determining the investment or “rate base,” 
and (3) determining the rate of return to be allowed on that rate base. 12 

Operating Expenses 

Reviewing a utility’s operating expenses (OE) is generally not a very 
controversial procedure. Most regulatory commissions have established a 
uniform system of accounts and try to ensure that a utility’s costs are not 
excessive or imprudent. Generally, transactions with affiliated companies 
(e.g., fuel suppliers) are carefully scrutinized. Similarly, salaries are 
increasingly subject to close review. Utilities are generally required to 
purchase goods and services at the best prices available. Because 
competition has been removed, utilities can attempt to pass on costs, even 
those incurred unnecessarily, to their customers. Thus, regulators perceive a 
need to subject utilities’ costs to scrutiny in order to reveal inefficiencies. 



9 Thomas K. McCraw, Prophets of Regulation (Cambridge, Massachusetts: Harvard 

University Press, 1984). 

10 Kahn, p. 26. 

11 Kahn notes that this is “...by far the most hotly contested aspect of regulation..." Kahn, p. 

36. 

12 Ibid. 
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This can be accomplished in either an accounting sense (auditing invoices) 
or in an economic sense (attempting inter-utility cost comparisons). 

Valuing Investment 

It is much more difficult to determine the investment base on which the 
utility will be permitted to earn a rate of return or profit. This exercise is 
critical because electric utilities are highly capital-intensive enterprises. 
Regulators face two controversies in performing this task. 

The first relates to valuing a utility’s investment, known as Rate Base 
(RB). While there are many variations on each theme, Rate Base value in 
the United States can be summarized as the utility’s assets at their original 
cost, less depreciation. 13 

Determining Allowable Profits 

The second and generally most controversial aspect of a regulator’s work 
comes when he/she must select some profit margin, or “rate of return” 
(ROR), that will be applied to Rate Base. Usually, the ROR selected falls 
within a range, bounded by the need to attract capital and by an estimate of 
what investments in enterprises of comparable risk would yield. The one 
certainty in all of this is that the ROR will be, at best, an approximation. All 
utilities employ a mix of debt and equity capital, all have stock prices that 
are determined by difficult-to-measure anticipated future earnings, and all 
experience differences between allowed rates of return and those actually 
earned, the so-called “regulatory lag.” The ROR is typically a weighted 
average of the interest rate on embedded debt and the authorized rate of 
return on common equity (ROE). 14 

Return on Equity 

Broadly speaking, there are many variants used in the United States for 
determining the ROE. The most common are: (1) the Capital Asset Pricing 
Model (CAPM); (2) the Risk Premium (or bare-rent) Method; and (3) the 
Discounted Cash Flow (DCF) method. 

The CAPM calculates the systematic risk of a company by comparing 
either its stock price, or rate of return, with a similar measure for some broad 
index of stocks (such as the Standard and Poor’s portfolios of stocks). The 
so-called “beta,” calculated using a regression analysis, is combined with the 

13 Bonbright, pp. 67, 69, 82-92; Kahn, pp. 35-41. 

14 When relevant, the return on preferred debt is also factored into this determination. 
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return on a long-term risk-free bond and the risk spread (the difference 
between equity and risk-free returns, usually the government’s long-term 
debt) for the portfolio to determine the cost of equity for the utility. 



Required Rcium Interest on Return on 

on liquily lor = long-Tcrm Risk- + Beta l\ritfolio of 

Utility live lX*bt Stocks 



Intcresi on 
I jonjj-Tenn Risk- 
live LX*bi 






The Risk Premium approach is related conceptually to the CAPM. This 
method estimates the risk premium between the ROE for a specific utility 
(proxies are often used) and long-term risk-free debt. The Risk Premium 
method’s advantage is its straightforwardness. The underlying assumptions 
and estimates are quite obvious and open to policy review. One could 
implement this method by estimating the ROE for several industrial sectors. 
Average industrial risk spreads could be calculated by subtracting long-term 
government debt from the average industrial return on equity. The resulting 
average industrial risk-spread estimate could then be adjusted for any 
perceived differences in risk between the industry in general and the electric 
sector. 

The DCF method is based upon what investors expect to earn from the 
equity that they provide to the utility. In its simplest form, investors 
purchase stock to earn dividends and to gain from any appreciation in the 
underlying value of the stock. In the simplified DCF, these objectives are 
stated as follows: 

Cost of Equity to _ Investors' 

the Utility Expected Return 



Annual Dividends 



Purchase Price 
of the Stock 



Expected 
Growth in Value 
of the Stock 



Revenue Requirements 

The regulatory COS review then takes the various cost and evaluation 
factors and determines an annual Revenue Requirement, also called a cost of 
service. The basic regulatory formula is: 

RR = COS = OE + RB * ROR 
where 

RR = Revenue Requirement 
COS = Cost of Service 

OE = Annual Operating Expenses, including one year’s non-cash 
depreciation of past investments 
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RB = Rate Base of the original cost of all prudent investments 
less 



accumulated depreciation 
ROR = Rate of Return adjusted for income taxes 



The ROR needs some additional explanation due to the corporate tax 
deductibility of interest expenses and corporate taxation of net income. 
Regulators “gross up” the authorized ROE in determining the ROR used to 
determine RR or COS. 

Regulators use the following approach, or something equivalent to 
determine the tax-adjusted ROR. 



ROR = 



(D + E) r + 



E ROE 
(D + E)(l-t) 



where 



D = Outstanding Debt 
E = Value of Equity 

— — — = Percent Debt Finance 
D + E 



= Percent Equity Finance 

D + E 

r = Weighted average interest on debt of various vintages and risk 
ROE = Authorized Return on Equity 
t = Corporate Income Tax Rate 



Regulated Prices and Tariffs 

The final step is designing utility tariffs. This step will be addressed in 
greater detail below. Here, it is sufficient to explain that regulators design 
utility tariffs that may vary by customer category and uses. In practice, 
voltage levels matter (e.g., 110 volts for residential and much higher for 
industrial users). Load pattern differences also matter because different 
customers have various mixes of peak, intermediate or shoulder, and off- 
peak consumption. In Chapter 2, we explained how supply costs vary by 
time of use. 
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Although complications in tariff design are very important, the basic idea 
is straightforward. Regulators must restrict prices so that they produce no 
more than the utility’s annual revenue requirement. If all prices were equal, 
and they are not, regulation would simply set the single unit price equal to 
average revenue. In this case, the regulated price would be: 

„ . Revenue Requirements 

Price = AR 

Total Volume 

where 



AR = Average Revenue 



Recall that RR is also equal to COS. Therefore, price would also equal: 



Price = 



COS 

Total Volume 



= ATC 



where 

ATC = Average Total Cost 

A conflict arises because, while economic efficiency requires price to 
equal marginal cost (MC), regulation in effect requires price to equal 
average cost (ATC). 

Complexity is added to regulated tariffs, in part, to close the gap between 
marginal and average cost concepts. In practice, tariff design reflects 
political, not economic, motivations. This is especially true when costs and 
prices are increasing. When marginal cost or economic principles are most 
needed, regulators, for the most part, prefer political redistribution and delay 
sending bad news to consumers/voters. For many, this inherent regulatory 
weakness was one of the primary reasons to restructure the electricity 
industry in California, as it also is in much of the world. 

In practice, there are separate tariffs for large-volume users (e.g., 
industrial, commercial, or business consumers) and residential consumers. 
There are also sub-categories. Historically, politics and income 
redistribution have affected tariff design and customer cost allocation. 
During the high-priced 1980s, many larger-volume customers sought relief 
from what they perceived to be politically motivated cost allocation. These 
large-volume users added support to the movement that favored deregulating 
generation, preferring direct retail access through competitive wholesale 
markets for electricity. 
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California had regulated retail electricity prices to about twice the prices 
paid for electricity in the rest of the nation. Industrial users were becoming 
increasingly tired of paying what they viewed as politically motivated 
subsidies. Therefore, industrial users joined the forces that pushed to 
restructure California’s electricity industry by replacing comprehensive cost- 
of-service regulation with wholesale competitive generation markets and 
direct retail access. 

Quantity Sold and Forecasting 

It is incumbent that regulators predict accurately retail sales because volume 
is the regulatory basis for setting price levels and allocating costs to different 
customers. Recall that the utility’s revenue requirement is established by 
adding together the utility’s fixed costs, estimated operating expenses, and 
related rate base times the required rate of return. The resulting revenue 
requirement is allocated to customers. Therefore, tariffs must be designed to 
achieve the authorized revenue requirement. This cost allocation to the 
various customer groups (and the subgroups within various customer 
classes) can be, and has been, a very contentious issue in the United States. 
Adding to the complexity, customers are likely to exhibit price elasticity. 
However, this demand responsiveness will likely not be the same from one 
customer class to another. These complex tariff and other policy matters are 
all tied to the accuracy of the underlying test year’s sales forecast. 
Ultimately, sales forecasting is an estimate. The estimate’s accuracy 
depends, in part, on the sophistication applied to the forecast. The level of 
sophistication can vary greatly across the country. Further, the extent to 
which economic efficiency is considered a major goal in the development of 
utility tariffs can have a large affect on how tariffs are set. 

Conclusion 

In the post-Reagan political world, concerns with “pushy” regulation have 
given political wind to economists’ questions about the natural monopoly 
status of generation. The growth in successful independent power producers 
that sold electricity on a MWH, not a power station, basis provided 
additional impetus to deregulate generation in much of the world. California 
was at the head of the deregulation pack in several ways. We move on to 
this matter in the following chapters. 




Chapter 4 

RECONCILING MARGINAL COST AND 
REVENUE REQUIREMENTS 



Regulation and competition are mostly different means to the same end. The 
conflicts between the two approaches are rather obvious. Under regulation, 
a political body sets prices and authorizes investments, and a monopoly 
produces and delivers the electricity. Under competition, the market sets 
prices. It is the interaction between many sellers and generators that 
establishes a market clearing price (MCP) for electricity. All participants are 
price -takers in a competitive market. 

Despite the conflicting premises underlying these two extremes, 
regulators have attempted to graft marginal cost economic principles onto 
regulation of prices and investments. This conflict is, at best, a reasoned 
compromise because revenue requirement constraints are sacrosanct. 
Nevertheless, the gap is not nearly as great as first impressions may suggest 
because, as we demonstrated in Chapter 2, marginal cost does play a role for 
power engineers operating and investing in power systems. 

In the 1970s and early 1980s, regulators let the power engineers and 
economists design electricity tariffs based on marginal cost. This resulted in 
tariffs based on time-of-use price differences. This approach had significant 
support and eventually fostered the realization that generation was not a 
natural monopoly. In the 1990s, California and other political jurisdictions 
determined that competition, not simply better regulated tariffs using 
marginal costs, was the preferred approach. Today, there are new calls in 
California to return to the “good old days” represented by time of use pricing 
that reflects time of day marginal cost differences. This chapter reconciles 
average and marginal costs. 

As we discussed above, regulated price levels are based upon collecting 
revenues to meet a specific annual revenue target (TR), which is typically 
determined by setting the annual revenue target equal to annual total cost. 
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Annual Total Cost (TC) = Annual Operating Cost (VC) plus Annual 

Fixed Cost (FC) 

Thus, 

TC = VC + FC 

As, annual total revenue is based on annual total cost, we have: 



TR = TC. 



If there were a single product supplied, this would imply that price (P) 
could be derived by: 

Q Q 

where Q = quantity sold, and P is equal to both average revenue and average 
costs. Under pure competition, a firm in long-run equilibrium receives a 
price that equals marginal cost (MC). In the long run, a firm would achieve 
equilibrium by adjusting its investments to earn an adequate or fair return on 
its investments. Adjusting its scale of operation, the firm would minimize 
total cost at the point where marginal and overall costs are equal (AC = 
MC). With perfect planning or foresight, power systems that were allowed 
to earn a fair return on their investments could achieve the happy long-run 
result that P = AC = MC. 



WHY MARGINAL COST? 

The logic that would allow regulators to adopt aspects of marginal cost 
pricing and average cost pricing is predicated on full information. Let’s 
assume full information and follow the logic. 

Microeconomics is based on certain precise definitions. On the producer 
or supply side, a market is considered competitive when there are sufficient 
competitors so that no firm, or group of firms, possesses market power 
enabling it to restrict the quantity supplied in the market, thereby influencing 
the MCP. On the consumer or demand side, a market is presumed 
competitive when no buyer, or group of buyers, can control the quantity 
purchased in the market, and thereby, the ultimate price paid. 

When markets are competitive, the interaction between demand and 
supply results in an economically efficient quantity sold and price paid. 
Defining economic efficiency is rather straightforward. When prices are 
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equal to marginal cost, suppliers get precise signals concerning consumers’ 
willingness to pay. Suppliers understand that they should produce more 
when their firm' s marginal cost is less than the market price and should stop 
expanding output when marginal cost exceeds the market price. Consumers 
also receive important information. They discover what it costs to supply 
more units of the good. The price established in the market helps individual 
consumers determine how much they will consume under the assurance that 
their individual willingness to pay will equal or exceed the actual market 
price — and, therefore, the industry-wide marginal cost. 

In a competitive market, firms supplying product to the market are 
“price-takers.” These price-taking firms will expand firm output as long as 
their marginal cost is below the competitive market price determined by 
demand and supply. And, in a competitive market, firms would reduce their 
output when their marginal cost exceeds the market price. This is sometimes 
called operational, or production, efficiency. Competitive markets guide the 
behavior of the individual firms supplying or producing goods sold. 

A competitive market’s demand schedule represents conceptually just 
how much of a good or service all potential consumers would purchase at 
specific prices (i.e., willingness to pay). In the case of electricity commodity 
markets, consumers are resellers who purchase power in competitive 
wholesale markets in order to distribute electricity to retail consumers. 

If the electricity price is raised, less electricity would be purchased. If 
the price is lowered, more would be purchased. And, in a scarce market, 
those consumers willing to pay more would receive the product, not the 
consumers willing to pay less. This is called allocative efficiency. In 
wholesale electricity markets, demand is likely to be relatively highly 
inelastic because purchases are resold and retail consumers may or may not 
(as was true in California) receive retail price signals that vary in real time. 

Finally, when competitive markets supply goods that can be stored and 
consumed in different time periods, interest rates or discounting play an 
important role in establishing intertemporal efficiency. This concept is also 
rather straightforward. A dollar today is worth more than a dollar received 
tomorrow, or next year, or ten years from now. This guiding economic 
principle affects a firm’s investment, input purchase, and use decisions. This 
principle also affects when consumers purchase, store, and consume goods. 
Because electricity cannot be stored, spot markets take on greater 
importance. Regardless, forward and future contracts, as well as retaining 
generation ownership, are natural hedges to reduce the risk and cost of spot 
market volatility. As we will explain later, California’s market design and 
regulatory practices eschewed such hedging approaches. Instead, most 
power was sold in what turned out to be highly volatile wholesale electricity 
markets. 
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These supply and demand concepts are shown in Figure 4-1. 




Figure 4-1. Supply and Demand in a Competitive Marketplace 

Price P e and quantity Q e are the efficient market clearing prices and quantity. 

The long-run or intertemporal aspects of economic efficiency can be 
gleaned from reviewing Figure 4-2, where several relevant cost concepts are 
shown. 




Reconciling Marginal Cost and Revenue Requirements 



29 




Figure 4-2. Firm Cost Functions 

Marginal cost (MC) is upward sloping to reflect increasing marginal 
production costs. Average fixed costs (AFC) decline as output increases 
over a fixed investment. Average variable costs (AVC) are U-shaped. 
These costs initially decline and, due to increasing marginal costs, AVCs 
begin to increase. Average costs (AC) are the sum of average variable and 
average fixed costs. This curve is also U-shaped, and as AFC approaches 
zero, AVC and AC approach each other. 

An important relationship is that MC equals AC when AC is at its 
minimum point. The same is true for AVC. MC equals AVC when AVC is 
at its minimum. 

Some new insight into firm behavior becomes apparent in the long run, 
where fixed costs, (i. e., investments) can vary. Consider Figure 4-3. 
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Figure 4-3. Price Levels Influencing Firm Behavior 

If the market price falls below the shut-down price (Mi), the firm cannot 
cover its variable production costs and should shut down. If the market price 
equals the minimum AC, the firm is in a break-even position (M 2 ). This 
means the firm will recover both its variable costs and its fixed costs, 
including a reasonable or fair return on its investment, which is roughly 
equivalent to interest plus a risk premium for equity. If prices are above M 2 , 
the firm would earn a rate of return above “fair” market and attempt to 
expand (i.e., invest more fixed capital). When prices are above shut-down 
(MO but below break even (M 2 ), the firm is failing to earn a fair return. At 
this point, it is earning a margin above its AVC and should not stop 
production. However, the firm will attempt to sell off the assets and shift 
capital or fixed costs elsewhere, perhaps to other industries. 

Economists often distinguish between the long run and the short run. 
The long run is defined as a period in which the firm can alter or vary its 
fixed cost or investment position. In long-run equilibrium, the firm would 
not alter its fixed costs (i.e., it would neither expand nor contract its 
investment position). Therefore, in long-run equilibrium: 



p = MC = AC 
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Demand and supply conditions can change in the market and, therefore, 
perfect foresight is not likely. Thus, a firm would have different long-run 
equilibria with different future market conditions and price expectations. In 
Figure 4-4, several short-run average cost curves are shown. Each 
corresponds to different level of firm investment corresponding to a different 
expected future market price. 




AC|, AC2, and AC 3 are short-run average cost (SRAC) curves. M|, M2, 
and M 3 are their corresponding minimums or break-even points. The darker 
curve formed by connecting the various break-even points is called the long- 
run average cost (LRAC) curve. The LRAC curve is sometimes called the 
firm’s planning function because it represents how firm investments would 
vary in response to different market conditions as an industry grows. 



THE LONG-RUN COMPROMISE 

Long-run equilibrium would be achieved if firms could select their scale 
based upon the equivalence of price, marginal, and average cost. Under 
regulation, this is what regulators seek to guide their long-run integrated 
planning activities. 
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Under certainty, the future is known and regulators could logically aspire 
to this happy synergy, which would allow them to set prices equal to average 
costs, which would also equal marginal costs. 

The competitive market would not be necessary to establish prices 
because, under certainty, the price = AC = MC alignment would be used to 
set prices. Regulators know they are not prescient. Therefore, they often 
used complex forecasting models that were subject to much debate and 
scrutiny. A strong dose of sensitivity analysis was also typically applied. 

As we explained above, to achieve economic efficiency, a good’s price 
should equal its marginal cost. All businesses must consider both their 
short-run costs associated with a given or fixed investment and their long- 
run investment (or disinvestment) choices. Regulators of public utilities 
(i.e., the traditional vertically integrated electricity company serving an 
exclusive franchise) have developed pricing and investment principles or 
rules that are similar to competitive firm behavior. If forecasts and available 
information are accurate and these rules are followed, the result is a 
reasonably good likelihood of economic efficiency. 1 

The Short-Run Pricing Rule 

1. If there is sufficient capacity to meet demand or load, price should equal 
the short-run marginal running cost (i.e., marginal energy cost adjusted 
for voltage and losses (time and place)). (Note this is the system lambda 
described in Chapter 2.) 

2. If demand exceeds available capacity, price should equal a higher amount 
than (1) in order to restrict demand to the available capacity. More 
precisely, marginal opportunity cost should be added to the marginal 
running cost. 

The Long-Run Pricing and Investment Rule 

3. Investments should be made when the marginal capacity cost related to 
meeting new demand is less than or equal to the short run price that 
would be charged in (2) to restrict demand to the available capacity 
without new investments. More precisely, investment should be 

1 Several methods exist to allocate common (i.e., fixed) costs across consumers in such a way 
that the regulated firm breaks even. The fully distributed cost approach, for example, adds 
a fraction of common costs to the attributable cost of service. While common in 
regulatory rulemaking, the cost-based approaches are not primarily concerned with 
economic efficiency or second-best pricing, which is optimal. For further discussion, see 
Brown and Sibley (1986). Our analysis below emphasizes efficient solutions, known as 
second-best pricing rules. Stephen Brown and David Sibley, The Theory of Public Utility 
Pricing (New York, New York: Cambridge University Press, 1986). 
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expanded if, and only if, the marginal capacity cost is less than the sum 
of short-run marginal running costs plus marginal opportunity cost. 

Introducing the concept of marginal opportunity cost, the equivalence of 
price to restrict demand to capacity and the marginal cost of new capacity 
can be converted to a marginal cost pricing criteria that applies in all 
circumstances. Put simply, price should be set equal to marginal cost, 
including any marginal opportunity costs. If demand is less than available 
capacity, this means that price should equal marginal production costs (or 
operating costs, including fuel). 

If demand exceeds available capacity, marginal opportunity costs need to 
reflect the likelihood that supply might be insufficient to satisfy demand. 
This is called a loss of load probability, or LOLP. When LOLP is low, there 
is virtually no chance that capacity will be insufficient, and vice versa. 
During peak or high-demand periods, the LOLP would approach unity. 
Electric prices need to reflect the value of avoiding forced outages or service 
interruptions. 

In practice, this often gave rise to an investment rule holding that, if by 
increasing the price, the market would clear at a lower price than a price 
equal to marginal production costs plus marginal capacity costs, then prices 
should be raised to clear the market, but new investments in capacity should 
not be made. However, investments in new capacity should be made when 
the sum of marginal running costs plus marginal capacity costs ar e less than 
the market clearing price. 



COMPETITIVE WHOLESALE POWER MARKET 
ECONOMICS 

As we noted earlier, peak periods are the hours when demand presses against 
the limits of available capacity. Conversely, there is little likelihood of any 
shortages during off-peak periods. Put in LOLP terms, peak hours have a 
LOLP close to one and off-peak LOLPs are close to zero. This distinction is 
the rationale for time of use (TOU) prices, which economists call peak-load 
pricing. 

Regulators began to reform their average cost, mostly politically 
motivated, tariffs in the United States using this type of reconciliation. As 
we noted earlier, the process that led to this reform uncovered the realization 
that generation, the primary cost of supplying electricity, was not a natural 
monopoly. Tariff reform begat market restructuring. This, in turn, led to the 
California market design and the so-called crisis. 
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RECONCILING COMPETITION AND REGULATION 2 

Economic efficiency generally requires marginal cost pricing. In order to 
demonstrate this fact, the starting point is maximizing net societal welfare 
(i.e., the sum of consumer and producer surplus). 

Let 

P = f(Q) (1) 

where P is society’s willingness to pay for varying amounts of Q or output of 
a particular commodity and f(Q) is the demand function. Welfare (W) is 
defined as the difference between what society is willing to pay, or total 
benefits, and the total social costs (SC) of producing the output. The 
demand function is treated as society's marginal benefit function. Therefore, 
total benefits are defined as the integral of the demand function: 



TB = / PdQ 


(2) 


Total social costs (ignoring externalities) are also a function of output, Q. 
The net welfare function can be stated as: 


W = TB - SC 


(3) 


which becomes 




W = jPdQ-g(Q) 


(3 1 ) 


where g(Q) is the total social cost function, 
the following necessary condition: 


Maximizing net welfare yields 


dW _ dSC D A 

dQ dQ 


(4) 


P = g'(Q) 


(5) 



Note that P is the price of the product (such as electricity) and g'(Q) 
equals the marginal social cost. 

The above development explains the pricing behavior of a social welfare 
maximizer and it is, therefore, a normative result. However, pricing rules 
are usually set in competitive markets. Conversely, regulators may strive to 
be social welfare maximizers. In competitive markets, the profit-maximizing 
criteria would replace a welfare-maximizing criteria. The analogous positive 
formulation is: 

2 

This discussion can be passed without losing the crux of the analysis in this book. 
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n = P Q-TC 



( 6 ) 



where 



n is total profit 

P • Q is the total revenue of a firm, and 

TC is its total cost, which may or may not be equal to the total social cost. 
Maximizing profits yield the following necessary condition: 



£I = p + Q^_f!l£ 

dQ dQ dQ 



= 0 . 



( 7 ) 



If T| = ~ (price elasticity of demand) 

dTC 

and MC = ^ (marginal private costs) 

then, this necessary condition can be restated as follows: 

-QdP 



P - MC = 



dQ 



( 8 ) 



and dividing both sides by P yields 



P - MC _ QdP _ - 1 
P PdQ n 

This formulation is sometimes referred to as the Lerner degree of 
monopoly power . 3 It measures the extent to which noncompetitive firms 
will mark up price relative to competitive firms. In a perfectly competitive 
world, each firm would be a price-taker and T) would be negative infinity. 
Then y n is zero, and the profit maximizing pricing rule would be identical to 

the normative case, namely that P = MC. Assuming that marginal private 
costs (MC) and marginal social costs (g'(Q)) are equal, competition and 
regulation would both seek to set prices equal to marginal cost. 

Abstracting from externalities, as price elasticity increases from negative 
infinity (or being perfectly elastic) to become less elastic, the firms that can 
set or influence prices would mark up their prices relative to marginal costs. 



3 

For a discussion of Lerner’s markup equation, see S. Weintraub, Intermediate Price Theory, 
(New York: Chilton Books, 1964). 
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REVENUE CONSTRAINTS 

The implication of a utility’s revenue constraint is important. Our analysis 
follows the pioneering work of Baumol and Bradford. 4 However, the key 
results were actually obtained much earlier by Ramsey (1926). 5 Assume that 
the revenue constraint is set exogenously and does not depend upon output, 
(Q). Also assume that a regulatory commission sets net allowed income 
equal to (R). Assume further that (a) these are n different customer types 
(large industry, business, residential); (b) each class has a different price 
elasticity of demand; and (c) that the utility has different costs for supplying 
these different customer types. (Homogeneous demands and costs are 
assumed within each customer category.) 

Welfare will be defined under these conditions in a manner analogous to 
(3). Assuming, for simplicity, that demands are independent and costs are 
fully separable across customer types, then total benefits equal the sum of 
demand functions across customer types and total social costs equal the sum 
of the total social costs of supplying each customer type. Therefore, the 
refined welfare function can be defined as: 6 

W = XfPidQ.-JsCj (10) 

i=l i-1 

where 

p i = fj (Qi ) is the demand or willingness to pay function for the ith 
customer type, 

and 

SCj = gi (Q i ) is the social cost function of supplying the z'th 
customer type. 

A regulatory constraint (R) that fixes allowed regulatory profits can be 
added to the analysis. Let: 

TR = TC + R (11) 

where 



4 W.J. Baumol and D.F. Bradford. “Optimal Departures from Marginal Cost Pricing,” 
American Economic Review, Vol. 60. June 1970. 

F.P. Ramsey, "A Contribution to the Theory of Taxation,” Economic Journal, 37, (1927), 
pp. 47-61. 

6 Derivations for the case of non-independent demand are straightforward. See Brown and 
Sibley (1986) and Kenneth Train, Optimal Regulation-The Economic Theory of Natural 
Monopoly, (Cambridge, Massachusetts: MIT Press, 1995). 
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n 

TR = total revenue = y^PjQ, 
i=I 

TC = total cost, which for simplicity can initially be 
assumed to be set equal to total social costs (SC) 



n 

(so that TC = ^SCj ), and 
i = l 

R = allowed regulatory profits 
The constrained objective function then becomes: 

W* = £JPjdQ i -£sC i 

i=l i=l 



+^I^Qi-Zsc,-R) 

i=l i=l 

Maximizing W* yields the following set of necessary conditions: 

i)W * r)P 

-r- r = Pi-gi(Qi)+^(Pi+Qi^r L -gi(Qi)) = o 

oQj dQj 

for all i = 1, n 



aw 



— -ZPiQi-Zsc.-R^o 



i = l 



i = I 



where 



( 12 ) 



( 13 ) 



( 14 ) 



X is the Lagrange multiplier and can be interpreted as the marginal 
welfare loss (gain) due to the regulatory constraint. It is also known 
as the Ramsey number. 



If T\t 



3Pi Qj 



is the price elasticity of demand for the /th group, then 



the necessary condition for each ith customer type can be reformulated as 
follows: 
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(l + XXPj -g'(Qi)) = -XQi 



j»L 

3Qi 



(14 1 ) 



Dividing by P, yields: 



(1 + A,) 



(fi -gj(Qi)) 

Pi 



Pi ^Qi 



( 15 ) 



Rearranging terms further and substituting in T)j for elasticity and MSCj 
for gj(Qj) or the marginal social cost of supplying the ith customer group 
yields: 



Pj -MSCj _ X 1 
Pi 1 + ^ Hi 

The regulatory constraint on income causes the utility to deviate from 
unconstrained marginal cost pricing . 7 In the normative formulation, such as 
this, the R constraint causes the loss in welfare to be spread over each 
customer group in a manner that results in the least loss in total welfare for 
all customers collectively. Ramsey pricing is a second-best solution. To 
understand the mark-up rule a bit better, assume that a firm with fixed costs 
and increasing average cost sets price equal to marginal cost. In this case, 
the firm will fail to break even. The Ramsey pricing rule modifies price a 
little over marginal cost in such a way as to perturb the first-best outcome as 
little as possible. To do this, markets with the least sensitivity to demand 
experience larger price increases, but the quantities purchased are not 
affected to a large degree. This strategy allows fixed costs to be covered 
while staying close to the first-best price equals marginal cost solution. 

Two cases are important. A utility may earn too much revenue because 
costs are increasing and charging all customers their marginal cost may 
produce a surplus for the firm that exceeds R. Alternatively, costs may be 
decreasing; therefore charging all customers their marginal cost will fail to 
recover an income of R. 

Turvey points out that revenue constraints need not depend on the 
presence of increasing or decreasing costs. He explains that: 

“Marginal cost pricing, subject to any appropriate adjustments for 
nonoptimalities, may yield a revenue which provides a surplus in relation 
to accounting cost which is too high... or too low.... If this financial 
constraint is sacrosanct, then some prices will have to be set below 

7 Note that if the revenue constraint is not binding, then the associated Lagrange multiplier is 
zero and Pj will equal MSCj. 
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marginal costs (in the first case) or above ( in the second). In either case a 
constraint which is effective will result in a welfare loss.” 8 



The different policy implications of increasing and decreasing costs are 
important because increasing marginal costs are likely in competitive 
markets, while natural monopolies are essentially decreasing cost industries. 
Equation (15') helps to understand these two cases. Under marginal cost 
pricing, P, and Q, would be the price charged to and quantity consumed by 
the ith customer type. If the resulting income (R) is excessive, then the 
regulatory constraint requires a lower price and greater quantity. This 
situation occurs under marginal cost pricing. The shaded area in Figure 4-5 
represents the welfare loss from regulation for the increasing cost case. In 
order to understand the limits on X, it is useful to restate the Lerner 
monopoly, perfectly competitive, and regulatory pricing rules; when A/SC, 
and MCj are identical. 



Monopolist: 



P, -MCj _ -1 
Pi *li 



Competitive: 



P; - MCj 

Pi 



= 0 



Regulatory: 



Pi -MCj _ -k 1 

P, 1 + X rij 



R. Turvey, Optimal Pricing and Investment in Electricity Supply (Cambridge, 
Massachusetts: The MIT Press, 1968), p. 89. 
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Quantity 



Figure 4-5. Supply and Demand of a Monopolistic Firm 

When marginal cost increases, as in Figure 4-5, monopolists would mark 
up price above marginal cost, while regulation would require prices to be set 
below marginal cost. Therefore, 



P r < P c < P m 

where 

P r = regulatory price 

P c = marginal cost price 

P m = discriminating monopolist price 


(16) 


From (16) and these pricing rules, it follows that when marginal costs are 
increasing: 


< 0 < 1 so that 

1 + X 


(16') 




(16") 



This also means that when costs are increasing: (1) no customer should 
be charged a regulated price that exceeds the marginal cost of supplying that 
customer, and (2) the percentage price decrease should be greatest for those 
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customer groups that have the most inelastic demand. 9 Finally, regulation in 
this case imposes a net welfare loss relative to marginal cost pricing. 

The second case is the decreasing or classic natural monopoly cost case 
of regulation. Different limits of X and orderings of price are applicable 
under the decreasing cost case. Consider Figure 4-6. When costs are 
decreasing, pricing based upon marginal cost will produce too little income. 
Under regulation, prices will need to be set above marginal cost. The 
regulatory constraint has a similar effect, increasing prices, as a monopoly. 
Regulation, however, prevents the excesses of unrestricted monopoly 
pricing. Therefore, regulated prices will be below those that a monopolist 
would charge. The shaded area in Figure 4-6 represents the welfare lost due 
to regulation. 




Figure 4-6. Decreasing Cost Case for the ith Consumer Group 

The above pricing rules establish the following orderings of prices and X 
for the decreasing cost case: 

P m >P r >P c (17) 

and, therefore: 



1 > >0 

1 + X 

and X must be positive: 



( 17 ') 



This is the classic Ramsey inverse elasticity rule. 
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X> 0 (17") 

Note (17") means that when costs are decreasing: (1) no customer 

should be charged a price that is less than the marginal cost of supplying 
him, and (2) following Baumol and Bradford, the percentage price increase 
should be greatest for the most price inelastic group. However, the 
regulatory price markup for any customer group should be less under 
regulation than the price markup that a monopolist would add. The loss in 
welfare and quantity would also be less. 



PEAK LOAD PRICING 

The most important extension of the previous analysis for utilities for peak 
and off-peak demand differences is Oliver Williamson. 10 A welfare function 
similar to that utilized above can be used to determine optimal pricing rules 
when both capacity costs and operating costs vary for peak and off-peak 
times. It is a straightforward task to extend the previously determined 
pricing rules for this case. 11 

Williamson defines capacity costs using the amount of time over a year 
that any customer utilizes capacity and the percent of time that capacity is 
fully utilized. It is simpler to consider on-peak and off-peak as two separate 
services. Thus, off-peak costs are defined only in terms of operating costs 
and on-peak costs in terms of both operating and annual capacity costs. 
Since demands are assumed to be independent, a separate demand schedule 
can be established for each customer group for on-peak and off-peak use. 
Using this simplification for electricity, off-peak prices would be set equal to 
marginal operating or running costs off-peak. On-peak prices would be set 
equal to the marginal operating or running costs on-peak, plus the marginal 
capacity costs. 



10 O. Williamson, “Peak Load Pricing and Optimal Capacity Under Indivisibility 

Constraints,” American Economic Review, LXI, Sept. 1966, pp. 810-827. 

11 Several complications such as shifting peaks, marginal opportunity costs, and 

interdependent demand and supply are ignored here. 




Reconciling Marginal Cost and Revenue Requirements 



43 



For simplicity, let there be two time periods, which are peak (p) and off- 
peak (o). Further, let there be only two customer groups, 1 and 2, and 
assume that customer 1 consumes only off-peak and customer 2 consumes 
only on-peak. The objective function is: 



W = fP,dQ 1 +|P 2 dQ 2 -C 0 -C p 



(18) 



where 

\P;dQi are the respective areas under the demand schedules for 1 and 2 
C () is the off peak variable cost and a function of Q (= h( Q \ )) 



Cp is the on-peak cost and has two components: C p is the variable or 

operating cost during peak periods (=g(Q 2 )) and C p is the annual 

capacity cost that is incurred to maintain sufficient capacity to supply 
peak period demands (=k(Q 2 )), thus related directly to short run 
opportunity costs. 



Maximizing with no interdependence or shifting peaks 
following necessary conditions: 



yields the 



aw 

dQl 



=p, 



h'(Q,) = 0 



(19) 



aw 

Wi 



=p 2 



-g'(Q 2 )-k'(Q 2 ) = 0 



(19') 



where 

h'(Q,) is the marginal operating costs of supplying off-peak 

g'(Q 2 ) is the marginal operating costs on-peak 

k'(Q 2 ) is the marginal capacity costs amortized for on-peak use 

P,=h'(Q,) (20) 

P 2 =g'(Q 2 ) + k'(Q 2 ) (20') 

Equations (20) and (20'j may be readily generalized. It is a simple matter 
to generalize these results by altering demand to high-demand on-peak uses 
(typically weather-related) and off-peak uses, such as base usages, when 
economic activity and weather conditions cause low demand. Put this way, 
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off-peak means little chance of a significant LOLP. On-peak means that 
LOLP would approach one. The short-run pricing rule (price equal to 
marginal cost) is accommodated conceptually since marginal capacity cost is 
assumed to be less than or equal to the short-run marginal opportunity cost 
of avoiding shortages or outages. 



T\ P is the price elasticity of demand on-peak = ( 
A. is the marginal regulatory effect 



aqf p; 



app qP 



These results can be further extended to include interdependencies in 
demand and supply, 12 as well as any regulatory incentives that would 
encourage utilities to over-invest when regulation bases authorized net 
income (R) on rate base of the amount invested. 13 



NON-UNIFORM PRICES 

Ramsey prices are a set of uniform prices that maximize total surplus 
(producer and consumer) subject to a break-even or allowed revenue 
constraint. Ramsey prices do this by setting different prices in various 
markets (customer classes or time-of-day). Another solution to the break- 
even constraint in public utility regulation is the use of non-uniform prices. 
Non-uniform prices allow different customers within a market to pay 
different prices. Typically, this is done by tariffs that have multiple tiers or 
entry fees. Optimal tariff design is beyond the scope of our analysis, but is 
fully reviewed in Brown and Sibley (1986). 14 



CONCLUSION 

The previous discussion adds mathematical complexity to reconcile and 
accommodate economic principles, regulation, and optimal investment. As 

12 See R. Turvey, Economic Analysis and Public Enterprises, (Totowa: New Jersey, Rowman 

and Littlefield, 1973); R. Rees, “Second-Best Pricing Rules for Public Enterprise Pricing,” 
Economica, August 1968. 

13 See E. Bailey, “Peak Load Pricing Under Regulatory Constraint,” Journal of Political 
Economy, Vol. 80, July/August, 1972; H. Averch and L.L. Johnson, “Behavior of the Firm 
Under Regulatory Constraints,” American Economic Review, Vol. 52, 1962; S.H. Wellisz, 
“Regulation of Natural Gas Pipeline Companies: An Economic Analysis,” Journal of 
Political Economy, February 1963, pp. 30-43. 

14 Brown and Sibley (1986), pp. 61-97. 
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the pricing rules become increasingly complex, it is not surprising that there 
is little reasonable likelihood that regulators would have the necessary data 
and precise inputs to establish utility tariffs with precision. 

In the 1980s, when regulators were attempting to implement many of 
these conceptual ideas, a common refrain was, “It’ s better to be roughly right 
than precisely wrong.” Despite such brave assertions, regulation could only 
strive to achieve efficient pricing using simplified tariffs. Competitive 
wholesale markets were viewed as a better means to the end because real- 
time prices could signal the short-run value of avoiding shortages. Further, 
in a competitive wholesale market, the economic rents earned (prices above 
marginal running costs) would signal new investments in generation and 
cause new competitive entry if the economic rents were sufficiently large 
relative to competitive rates of return. 

In the 1990s, efforts to restructure regulation and utilities and to move 
toward competitive wholesale markets began to take root. Real-time or 
time-of-use (peak/off-peak and more) pricing was set using competitive 
bidding schemes between sellers and buyers. The concept was correct. It 
was the execution that failed in California. 




Chapter 5 

COMPETITIVE WHOLESALE MARKETS FOR 
ELECTRICITY 



This chapter outlines the general concepts used to design competitive 
wholesale electricity markets. The book’s partial purpose is to explain what 
happened in California. In the following discussion, the rudiments of the 
California approach will be used to introduce basic concepts. It is important 
to note that no single restructuring approach has been used around the world 
to change vertically integrated monopolies into competitive wholesale 
generation markets. 

The FERC’s difficulty in getting political acceptance of a Standard 
Market Design (SMD) unintentionally proves the point that few political 
jurisdictions believe that “one size fits all.” Doubtless, experimentation and 
shared lessons learned will prevail. In this context, “what went wrong” in 
California takes on more than a passing interest. 



MARKET DESIGN PRINCIPLES 

California was an early entrant into electricity market restructuring. For the 
first two years, it had a rather successful restructuring experience as 
wholesale generation prices averaged about half of their previous cost of 
service levels. In order to restructure electricity industries, one generally 
needs both a market clearing entity and a network reliability provider. In 
California, the basic competitive structure encompassed the California Power 
Exchange (CPX) and the California Independent System Operator (CAISO). 
The CPX met the former requirement and the CAISO met the latter. 

Figure 5-1 shows the physical flow of power under the California model. 
Assume that there are N generators. Each bids to sell electricity (kWs) at 
various hours in the year at different prices. The CPX selects the lowest bid 
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price to satisfy the increment of power needed by consumers each hour in the 
year. The winning generation bidders were then paid the CPX market 
clearing bid price through the CPX billing/settlement protocols, which 
charged consumers this same price. Thus, the CPX established market 
clearing prices (MCPs) every hour using one day ahead bidding. 

The CAISO operates the electricity network and has responsibility for 
network reliability. If congestion or network reliability is threatened, the 
CAISO alters the dispatch schedule using real time market bids and zonal 
factors. The CPX and CAISO markets were sequential, but not integrated 
operationally. Ongoing monitoring was parochial in nature. The CPX 
monitored its market, but not the CAlSO’s market. The CAISO monitored 
its own market, but not the CPX's market. 




Figure 5-1. Physical Rows in an 1SO/PX Market 



Some customers (e.g., Customeri) would purchase directly from the CPX 
and receive delivery over the transmission grid operated by the CAISO. 
Other customers (e.g., CustomerM) would use a broker or aggregator to 
purchase kWs. These customers would pay the broker, who in turn pays the 
CPX. The CAISO would assure the delivery of the kWs to the customer. 
And, some customers (e.g., Customer) would purchase electricity directly 
from a distribution company (most likely the predecessor utility, DISCOi). 
The distributors would buy either directly from the CPX or from a 
broker/aggregator (e.g.. Broker,). 
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Tables 5-1, 5-2, and 5-3 outline the nature of the decision-making in a 
reasonably competitive wholesale market for sellers (generators), buyers 
(customers, brokers, etc.), and the power exchange. 



Table 5-1. Economic Actions of Sellers 

Generator,, Generator:, ... Generator^ 

(1 ) Determine Their Marginal Operating Costs. 

(2) Establish the Quantity (kWs) They Would Sell at a Specific Price or Prices in Half- 
Hour Time Periods. 

(3) Write Bid (Offer to Sell) Contracts and Submit These to the PX. 



Table 5-2. Economic Actions of Buyers 

Customer,. Discoi, Broker, , ... Other Regions 

(1) Determine How Much Power (kWs) They Want to Purchase the Next Day in Half- 
Hour Increments. 

(2) Establish the Price They Are Willing to Pay for These Contract Quantities. 

(3) Write Bid (Offer to Purchase) Contracts and Submit These to the PX. 



Table 5-3. Economic Choices of the Power Exchange 

(1) The Power Exchange Matches Buy/Sell Bids. 

(2) The Market Price Is Established so as to Exactly Clear the Buy (Demand) and Sell 
(Supply) Market. 

(3) All Accepted Contracts Are Exchanged at the Market Clearing Price (P). 

(4) When P Exceeds MC. Sellers Earn Margins. 



Figure 5-2 shows the merit order of the selling bids made by generators at 
a particular hour and date. The CPX would rank these bids in order from 
lowest to highest. Figure 5-3 shows the amount that buyers would bid to 
pay for different quantities of power at the same date and time. Finally, 
Figure 5-4 shows how the CPX would compare the bids of the sellers and 
bids of the buyers to establish the MCP and which bids to process. 








Price e/kWh sold Price e/kWh sold 
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Figure 5-2. Merit Order of Five Bids to Sell KWs 




Figure 5-3. Willingness to Pay 
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Figure 5-4. Stylized Market Clearing 

Table 5-4 summarizes the transactions that would occur in this 
particular competitive power market. 



Table 5-4. Transactions that Result in this Competitive Market 

(1) All Contracts to Sell at 20/kWH or Less Are Accepted, All Generators Are 
Paid 20 / kWH. 

(2) All Buyers Willing to Pay 20/kWH or More Are Accepted, All Buyers Pay 
20/kWH. 

(3) All Market Participants Learn Quantity and Price that Clear the Market. 



Conclusion 

Competitive wholesale market approaches for organizing electricity markets 
are based upon the conceptual principles of competitive markets. For 
markets to meet competitive criteria, it is necessary that neither generators 
nor buyers have market power and, thus, cannot establish price or quantity 
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outcomes. California encouraged new generation ownership to reduce 
market concentration on the supply side. Incumbents were encouraged to 
divest existing generation and to stop building new generation. On the 
demand side, California encouraged new energy service providers (ESPs) to 
compete against the incumbent utilities. Initially, supply exceeded demand 
and most observers failed to perceive that these initial attempts to reduce 
market power: (a) were not sufficient and/or (b) failed to account for other 
design flaws. Further, no one recognized that the elements of the “Perfect 
Storm” were looming on the horizon. 




Chapter 6 

CALIFORNIA’S MARKET DESIGN: AN INITIAL 
SUCCESS FOLLOWED BY A “PERFECT 
STORM” 



California has had expensive electricity for several decades. During the 
1980s and 1990s, California's retail electricity prices were about twice the 
national average. The general political perception in the mid-1990s was that 
California’s businesses could not compete given the state’s extraordinarily 
high electricity prices. Governor Wilson and the state’s legislature looked 
for things the state could do to help revive and sustain the California 
economy. Electricity prices became a focal point. 

The conventional wisdom at the time was that CPUC regulation was too 
“pushy.” The CPUC was also blamed for allowing the utilities to build 
expensive nuclear plants and purchase power from independent power 
producers that sold environmentally friendly electricity. In addition, the 
CPUC foisted conservation and other social costs on the utilities. All these 
higher costs were passed on to retail customers, and many also found the 
regulated tariffs were unfair. 

Californians were convinced that traditional COS regulation had failed 
and that a new approach was needed. Ultimately, California restructured its 
electricity industry using a competitive wholesale generation market 
approach based on the concepts discussed in Chapter 5. 



HOW DID CALIFORNIA REACH THIS POINT? 

California’s high electricity prices were caused by a combination of bad luck 
and some CPUC failures. First, California had no in state coal-fired 
generation plants: The state's air pollution restrictions and lack of coal 
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deposits made it impossible to generate electricity using coal-fired 
generation in California. Most of the nation had lower electricity prices than 
California, in part, because these other regions were able to use relatively 
low-cost coal to produce electricity. 

Second, federal legislation enacted subsequent to the two oil crises and 
natural gas shortages in the 1970s made it impossible for California to build 
new oil or natural gas-fired generation. This meant that during much of the 
1970s and 1980s, California had no in-state fossil fuel generation choices. 

Third, other than some limited hydroelectric generation, California had 
but one new generation option: nuclear power. However, this generation 
option was capital intensive. Severe inflation and high interest rates 
subsequent to the two oil crises in the 1970s made the nuclear power option 
almost too expensive for regulators and consumers to tolerate. 

Nevertheless, with no other viable supply-side options, California did 
invest in expensive nuclear generation plants. These enormous nuclear 
investments led to higher retail prices. California subsequently made the 
regulatory/political choice not to fall victim to such costly electricity 
generation again. Regrettably, California regulators chose to subsidize 
conservation and energy efficiency, while also agreeing to require the state's 
IOUs to pay what seemed at the time to be exorbitant prices for renewable 
energy under the “must purchase’’ terms of QFs, an option that itself was 
extremely expensive. 

With no new generation being built in the state, California also became 
dependent on out-of-state coal, nuclear, and hydroelectric generation from 
the rest of the western region, incurring expensive transmission fees in the 
process. Nevertheless, in normal weather years, this arrangement, 
particularly hydroelectric imports, benefited California because the state 
could import hydropower in warm months (when it needed power) and could 
export surplus power to the Northwest in cooler months (when California 
did not need power). 

Thus, Californians paid twice as much for power due to: (1) 

environmental restrictions; (2) expensive transmission investments; (3) 
expensive nuclear power; (4) subsidized conservation, efficiency, and 
renewables programs; and (5) costly QF power-purchase contracts. In sum, 
this represented a profound failure for traditional COS regulation. 

These circumstances led to restructuring the IOU portion of California’s 
electricity industry. A collaborative process was used to restructure whereby 
many parties came together to redesign the IOU industry in California. The 
municipally owned utilities (MOUs) were invited to join the process, but the 
MOUs opted out. After designing the new system, the parties took the 
complex package to the state legislature, where a new law entitled AB 1890 
was enacted. AB 1890 has now become infamous in California and among 
energy market participants around the nation and world. 
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“Perfect Storm ” 

AB 1890 contained four principal components. A four-year transition 
period was established to give the IOUs a reasonable opportunity to recover 
any uneconomic, and therefore potentially stranded, costs. The utilities were 
also permitted to impose a competition transition charge (CTC) to recover 
stranded costs. IOUs were urged to divest most of their in-state fossil fuel- 
fired generation. Finally, the IOUs were required to cede operational control 
over their transmission assets to the CAISO. 

Two new institutions were established: the CPX and the CAISO. As we 
explained earlier, the CPX established wholesale spot power markets while 
the CAISO was responsible for system reliability and transmission 
congestion management. A single MCP was adopted. The CAISO was 
designed to alter dispatch when and if system congestion or reliability 
problems arose. Virtually all the electricity used to supply the IOUs’ 
customers was required to be sold through spot markets at a single MCP. 

During the first two years, as projected by those who designed 
California’s restructuring, supply exceeded demand and the weather 
cooperated. Wholesale power prices were about one-half (roughly 
$25/MWH) of their previous cost-of-service costs (about SSO/MWH). 1 The 
state’s energy experts expected that at the end of the four-year transition 
period, California’s retail prices would decrease by an additional twenty-five 
percent. 

Energy analysts and regulators flocked to California to learn how they 
too could import the Golden State's restructuring miracle to their own 
jurisdictions. Investors were also quite satisfied as they learned that the 
state’s three IOUs would likely recover all their potentially stranded costs 
before the retail price freeze was scheduled to end in April 2002. The only 
unhappy people in the mix seemed to be the new owners of California’s 
incumbent generation who sustained some regulatory and wholesale market 
setbacks when wholesale prices went soft and onerous after-the-fact 
regulated must-run tariffs were imposed on certain of their newly acquired 
generation assets. 

Restructuring in California failed in its third year when a “perfect storm” 
shocked California. The storm hit just as plans were being finalized to end 
the four-year transition cost recovery earlier than expected because the three 
IOUs had recovered their stranded costs more quickly than had been 
projected. Three things happened in the third year, each of which, on its 
own, would have caused competitive wholesale power prices to surge. 
When all three occurred simultaneously, California’s restructuring efforts 
and the new markets collapsed. 



Generation represents about half the retail price. 
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A PERFECT STORM 

Three factors combined to form this “perfect storm” in the west. First, 
economic expansion in California outpaced forecasts. Consequently, in 
2000, demand overtook and overwhelmed supply. Most analysts had 
expected demand to catch up to available supply in 2002 or 2003. 
Accordingly, new generation licensing and construction was based upon in 
service dates well beyond 2000. 

Second, a world oil price surge was coupled with a rapid run up in 
natural gas prices in the fall of 2000. In fact, by December 2000, North 
American natural gas prices were more than 500 percent greater than they 
had been a year earlier. California’s electricity prices are predominantly tied 
to natural gas because California’s marginal generation units, meaning its 
most expensive and last utilized power stations, are mostly natural gas-fired. 

Third, 2000 and 2001 were marked by anomalous weather patterns in 
California and the Pacific Northwest. Contrary to normal weather patterns 
in the west, the Northwest was dry when the south was hot. Typically, the 
western part of North America is either “dry and cool” or “wet and hot.” 
The unusual weather pattern experienced in the 2000/2001 time period was 
the worst possible combination for a generation-short region like California 
because, just as summer demand surged, available hydroelectric supply fell 
off as drought in the Pacific Northwest dried up hydro power sources. The 
swing relative to a normal year was equivalent to nearly a twenty percent 
loss of California’s IOU-owned generation requirements (about 8,000 MWs 
out of 40,000 MWs). 



DEMAND/SUPPLY IMBALANCE 

We need to explain in greater detail the combined effect of these three forces 
to fully convey what happened in western energy markets in 2000 and 2001. 
When the California Legislature deregulated the state’s wholesale electricity 
markets in 1996, the state and the whole western region had approximately 
20 percent excess generating capacity. Adhering to economic theory, this 
excess supply kept California’s competitive market’s wholesale electricity 
prices relatively low. 

However, the experts were surprised by California’s rapid recovery from 
the recession. Fueled by a hot regional economy, regional demand for 
electricity grew rapidly in the late 1990s. This economic success is 
evidenced by growing personal income. In 2000, California’s personal 
income growth rate (9.3 percent) outstripped the personal income growth 
rate in the western region (8.9 percent). Personal income growth means an 
increased demand for goods and services. As electricity is a major factor in 
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“Perfect Storm ” 

producing those goods and services, increased demand for goods and 
services leads to an increased regional demand for electricity. 

The western region’s population growth also outstripped the national 
average. From 1996 through 2000, the western region’s population grew at 
2 percent per year, compared to the national 1.5 percent average. California 
grew at an even faster 4 percent per year. Increases in population mean 
rising electricity demand because more people and more households require 
more electrical service. 

However, while demand was growing, there were no significant 
centralized generation stations built in California between 1996 and 2000 to 
meet this growing demand. In fact, only three small generating plants were 
built in the two years prior to the markets opening in 1998. 

Figure 6-1 shows that the additions to electricity supply were inadequate 
to meet increased peak demand in California and the western region. This 
failure to keep pace with rising demand was a key factor in California’s 
dramatic wholesale electricity price explosion beginning in the late spring of 
2000 . 
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Figure 6-1. Comparison of Growth in Peak Demand Versus Growth in Generating Capacity, 

1996-2000 



Generators did not site and build sufficient new power generation to keep 
pace with demand in the years before 2000 in either California or the region. 
As a result, the excess energy available when deregulation took effect in 
1998 had all but disappeared by the summer of 2000. The increased demand 
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and decreased supply contributed to California’s unprecedented wholesale 
electricity price surge. 



WEATHER 

The wholesale electricity markets in the western region of the United States 
are interdependent. Power typically flows between the states in the winter 
and summer months when certain states are cold and others are warm. 
During the summer months, the Northwest typically sends power to the 
Southwest. In the winter months, the reverse is generally true. By 
coordinating the supply of and demand for electricity, each state can 
optimize its generation, thereby reducing the overall need to build power 
plants in the western region. 

Unfortunately, weather patterns were not normal in 2000. There was an 
extended drought in the Northwest and the Southwest experienced extremely 
hot temperatures. Figure 6-2 shows that the water runoff for the Northwest 
in the first seven months of 2000 was below the 30-year average. It was also 
less than any year since 1995. Rain and snow fuel the Northwest’s 
hydroelectric generators, which produce electricity to export to the 
Southwest. The drought meant that 8,000 to 12,000 MW of electricity were 
not available to be sent to the Southwest in the spring and summer of 2000. 
This meant that 15 percent to 20 percent of the electricity California needed 
for the late spring and summer was suddenly and unexpectedly unavailable 
from traditional out-of-state sources. 
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Figure 6-2. January to July Volumes of Run-Off in the Northwest, 1992-2000 



